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Executive Summary

This report examines the dramatic price increases that occurred in wholesale electric
markets in the Midwest during the week of June 22-26, 1998. What some have called a price
“spike’ was an extraordinarily high, but rather narrow and short-lived increase in wholesale spot
market prices. The report concludes that a combination of factors caused the price increase.
Among these factors were:

. An above-average amount of generating capacity was not available in the
midwestern United States due to planned and unplanned outages, including
weather-related damage to generating and transmission facilities.

. Unseasonably hot temperatures that were higher than forecasted continued over a
sustained period and a broad region, increasing demand for electric power to near-
record levels in the Midwest and neighboring areas.

. Transmission constraints reduced the ability of utilities to move power where it
was needed.
. Market information systems did not communicate clear, current and reliable short-

term price signals.

. Defaults on power sales contracts temporarily lowered market confidence and led
parties to seek more short-term supplies than usual.

. Simple inexperience in dealing with the conditions listed above in markets that are
becoming more competitive hampered effective responses by some market
participants.

The report notes that these adverse circumstances did not compromise the reliability of the
electric transmission grid or firm electric service to consumers. Some market participants did
experience significant losses; others experienced significant gains.

The report finds that the particular combination of events that led to the magnitude of the
June 1998 price increasesis not likely to recur, athough wholesale prices can be expected to rise
and fall asaresult of the dynamics of supply and demand. Moreover, the report concludes that
over time participants in the wholesale el ectric market can be expected to develop effective ways
to limit their exposure to future price volatility.

The report identifies issue areas for policy makers and others to focus on to prevent a
recurrence of these events. It advises that the Commission, states, the North American Electric
Reliability Council (NERC) and the electric industry work together to ensure that markets
function efficiently, fairly and effectively and make available sufficient generation and transmission



resources in the Midwest and surrounding areas. The report notes that the formation of regional
entities that would independently operate and plan transmission systems could help markets for
wholesale power and transmission function effectively. The report also suggests that the
Commission, other regulatory bodies and institutions in the electric industry ook for ways to
improve the operation of markets and facilitate the availability of accurate market information.

The Reason for the Report

Substantial increases in the wholesale spot market for electricity in the Midwest occurred
during June 25 and 26, 1998. Next-day prices for electric energy rose from the $25 per megawatt
hour (MWh) range to as much as $2,600 per MWh, with at least one hourly price reaching $7,500
per MWh on June 25. In response, severa utilities, power marketers and others in the industry
asked the Commission to hold an emergency conference, to cap wholesale electric prices and to
take other drastic action to restore “normalcy” to the market. Others stated that there is no need
to rein in the burgeoning electric market that the Commission has fostered under Orders 888 and
889. That market includes hundreds of marketers and traders competing for customers across the
country.

Chairman Hoecker asked an interdisciplinary team of Commission staff to answer the most
important questions posed by the price increase, specifically: how and why it happened, and
whether similar events are likely to recur. The Chairman primarily directed the team to examine
the operation of the market as awhole and only secondarily to delve into the dealings of
individual participants. Thisreport is devoted ailmost entirely to the genera state of market
operations. The principal purpose of this study is to provide information that will help the
Commission, state public utility commissions and other public policymakers make informed
decisions on whether any immediate preventative measures or long-term policy initiatives are
needed as wholesale power markets complete their move from cost-based rate regulation to
market-based competitive pricing.

How the Team Conducted Its Study

To ascertain the answers, the staff study team interviewed representatives of investor-
owned utilities, power marketers, state public service commissions, municipal utilities, Federa
agencies, rural electric cooperatives, NERC, regional reliability councils, and the Pennsylvania
New Jersey-Maryland Interconnection (PIM). Many of these entities buy and sell in the Midwest
wholesale power market. These entities also include owners, operators and users of the interstate
electric transmission system.

The study team sent a broad range of transmission providers and marketers requests for
data on their electric purchases and sales during the week of June 22. The team aso received
voluntary responses from a number of non-jurisdictional entities. 1t thanks all respondents for
their promptness.
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What Happened During the Price Spike?

The information the team gathered confirmed that the June 22-26 price “ spike” was aptly
named: an extraordinarily high, but relatively narrow and short-lived increase in wholesale spot
market prices. Some load-serving utilities paid very high hourly prices for part of the electricity
they resold, but most of those prices lasted only hours. Except for asmaller flare-up in July,
wholesale electricity prices in the Midwest have remained low compared to the June event. For
example, the average price during August 1998 for sales into the Cinergy hub in the Midwest was
$39.15 per Mwh. These prices are wholesale prices, that is, the prices paid by resdllers of
electricity; whether retail customers will have to bear any of these costsis primarily a matter of
state law.

During the week of June 22, market participants maintained reliability of the regional
transmission system. No blackouts occurred. No curtailments of firm service to any retail
consumer took place anywhere in the Midwest during that week.

What Caused the Dramatic Price Increases?

The team found that a combination of factors contributed to the June pricing
abnormalities. Some of the factors are long-term trends. For example, in the Midwest, peak
summer loads for electricity have grown substantialy, without any significant addition of new
generating capacity. Aswas the case in the summer of 1997, substantial amounts of nuclear
basel oad generation were out of service in the Midwest in June 1998. These factors have caused
Midwest utilities to depend more and more on purchases of power from other regions to meet
peak demands.

Westher played a key role in the June event. Unseasonably high temperatures were well
above forecasted levels over much of the Midwest and neighboring regions in late June, pushing
electric loads to record or near-record levels. Powerful stormsin and around the Midwest
damaged transmission lines and shut down generating facilities, further reducing available
generating and transmission capacity just before weather-related demand peaked. Because the
higher-than-forecasted temperatures and storm damage affected a large area, many entitiesin
neighboring regions, that normally would have sold electricity to Midwest utilities, were
themselves confronted by high demand and limited supply. Transmission constraints also hindered
the movement of power to Midwest markets from adjoining regions.

Another factor was that several wholesale marketers defaulted on contracts to sell
electricity, increasing uncertainty in the market about whether sellers could deliver their
contracted quantities of electricity asloads increased. Market participants scrambled to secure
power so that they would be able to meet their contractual commitments if called upon to do so,
or to meet their obligation to serve electric customers. In those market conditions, as demand for
power escalated, wholesale prices increased dramatically.
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During itsreview of overall market conditions, the team received allegations that market
manipulation may have occurred during the period of the price increases and may have been a
contributing factor. The team could not confirm these allegations and did not find direct evidence
that market manipulation was a contributing factor leading to the price increases.

Will Such Price Abnormalities Happen Again?

The team observes that the particular combination of factors that led to the June event was
quite unusual. This combination of factors was not typical, is not likely to recur, and is not
representative of how wholesale electricity markets usually work. However, price increases and
decreases may be expected in the future depending upon the balance of demand and supply.

Nonetheless, the Commission, state public utility commissions and the electric industry
must take into account that the types of contingencies that gave rise to the price abnormalities
could recur, and plan accordingly. The team believes that as buyers and sellers gain experience in
the emerging, competitive wholesale power market, they will develop ways to better manage their
exposure to the risk of future price increases. Over time, market forces are likely to result in the
construction of additional generating and transmission resources.

Issues for Further Consideration

The team believes that the participants in wholesale power markets are fully capable of
developing standards, trading practices and risk-management tools to minimize their exposure to
price swings and supplier defaults. The team does not believe that the findings of this study
support Commission regulatory action to impose price caps on sellers with market-based rates.
Neither do they tend to support Commission involvement at this time in setting standards for
creditworthiness for electricity marketers or taking other direct action that might control or stifle
the operation of the market.

However, the team does not believe that Commission efforts to address the issues raised
by the June price event should end with this report. The team suggests the following issue areas
for Commission consideration.

Market Monitoring and Assessment. The study team suggests reexamination of the
Commission's monitoring activity to assess whether new competitive markets are functioning
properly. Improved monitoring methods would permit the Commission to better detect whether
any manipulation of wholesale markets or unduly discriminatory transmission practices are
occurring. To assist this endeavor, the team believes that the Commission could formalize its
working relationships and data-sharing arrangements with NERC and the network of control area
operators and security coordinators.
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Compliance Actions. The team suggests that staff review how to maximize compliance
with the requirements and policies of Orders 888 and 889, including standards of conduct, and
prevent or redress any attempts to manipulate the market or circumvent the Commission's rules
governing the interstate electric industry.

Price Discovery and Reporting. The Commission and the industry should consider
development of real-time reporting of the prices for and availability of wholesale power and
interstate transmission. Such reporting would assist the market in real-time price discovery.

Regional Entities. Further steps to promote the growth of regional entities that would
independently operate transmission systems and plan and coordinate transmission could address
key issues. Eventually, such regional entities should have the capabilities to address transmission
constraints and congestion management procedures that may unduly limit the imports of
generation into the Midwest.

Cooperation with Other Key Players. Finaly, the team notes that the FERC does not
have jurisdiction over some matters that may affect the future operation of wholesale electricity
markets. For example, the Commission has no authority over the siting of generation or
transmission facilities, over retail electric rates, or methods to manage retail electric load. The
team suggests that the Commission, the States (which have jurisdiction over the siting of
generation and transmission facilities, retail rates and load management), NERC (which
establishes reliability rules) and other relevant entities maintain open communication on ways to
use their respective authorities or organizations to help ensure that power markets function
efficiently.



1. Overview

A. Study Purpose and Description

This report describes the results of afact-finding study of electric power system
operations and wholesale power markets in the Midwest and neighboring regions during the week
of June 22, 1998. The purpose of this study isto provide the Commission with a sound
understanding of the critical events during this event (hereafter referred to as the June event) in
order to make informed decisions as it continues to monitor and facilitate the transition of the
wholesale energy market from a regulated to a competitive marketplace. It must be emphasized
that the study was not intended to single out individual actions during the June event or to decide
on the merits of formal and informal allegations raised by certain market participants during the
course of this study. The Commission has other procedures in place for handling such complaints
and allegations and can address these issues separately. Nor was the purpose of the study to
directly address policy issues otherwise before the Commission.

During the June event, hot weather throughout the Midwest and neighboring regions
drove up loads and storms damaged power lines and generating stations. In addition, many
utilities in the Midwest and neighboring regions declared that they were experiencing emergency
operating conditions. As aresult, some interruptible loads were curtailed and public appeals were
made to firm customers to conserve power. However, these utilities stopped short of cutting off
power to firm retail customers. During these emergency conditions, the hourly spot price of
electricity in the Midwest rose to levels as high as $7,500 per MWh.

In response to these events, some directly and indirectly affected market participants
requested the Commission to convene atechnical conference without further delay. Other
participants affected by the June event called for the Commission to immediately establish aprice
cap on electricity or aternatively on the price of electricity during emergencies. On July 15, 1998,
Chairman Hoecker announced the creation of a Commission staff team to examine the factors that
contributed to the June event and to inform the Commission of its findings. Chairman Hoecker
also indicated that the study team'’s findings would assist the Commission in making measured and
reasoned judgments in its continuing efforts to formulate policies about the future wholesale
energy market and how the Commission can best regulate it.

B. Study Objectives

While the focus of the study is on the June event, the primary aim of the study isto
provide information to assist the Commission as it continues to monitor and facilitate competition
in wholesale energy markets. Its objective isto find and report facts about electricity operations
and markets that the Commission needs to develop sound policy for an industry in transition. The
scope of the team’ sinquiry included: (1) the amount, extent, nature and location of the price
disparities during the June event; (2) identification of the causes that led to the price disparities,
(3) identification of the impact of the price spike on wholesale power markets and market
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participants; and (4) identification of Commission actions, if any, that are needed in response to

the June event.

The study was organized with a number of general issues and specific study questionsin
mind. The study also incorporated general questions about the market raised in the public fora
and formal requests to the Commission. These questions included:

Why did prices in wholesale markets rise to unprecedented levels during the week
of June 22, 19987

Were the price spikes and shortages one-time events or might they recur?
Did market manipulation drive up prices?
What role was played by market immaturity and will the market correct itself?

Would greater retail competition or imposition of price caps help minimize price
volatility in the future?

What was the impact of transmission line loading relief (TLR) and generation
deficiency aerts (GDAS) during the June event?

C. Study Approach

The team collected information on the June event and other related events by: (1)
researching available public information and data sources; (2) conducting interviews through
telephone calls, personal interviews and field visits; and (3) collecting data informally during the
interviews and through a formal data request for operational and market information. The data
collected by the team were meant to address a series of research questions which included:

What natural events, such as heat and storm damage, drove supply and demand
conditions, and when and where did the effects of these events occur?

What was the state of the generation and transmission system at the beginning of
the week of June 22, in the light of systems assessments for the summer?

How did the state of the generation and transmission system change during the
week? In particular, what generation sources were not available at peak times and
why were they not utilized? What were the causes and effects of actions taken by
utilities to maintain the reliability of the transmission system, such as TLRs and
system generation emergencies?

What |oad management actions were taken, such as curtailing interruptible load,
public appedls for conservation, and preparations for rolling blackouts?
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. How did sdllersfind buyers for available power? Did sellers have any available
power supplies that could not be delivered to buyers? If so, why could the power
not be delivered?

. Were system or market operations affected by contract defaults? If so, what were
the effects and what actions did participants take in response?

. What specific actions were taken during deviations from standards of conduct
during the emergency conditions?

D. Report Organization

The report comprises five chapters including this introduction. The remaining chapters are
asfollows:

. Chapter 2 describes the power system operations during the June event, including
conditions prior to this event that are relevant to its understanding. It focuses on
the sequence and timing of events, using information collected through interviews,
information provided directly by control area operators and security coordinators,
and aformal request for operational data from security coordinators through
NERC.

. Chapter 3 describes market conditions, including the evolution of power markets
and the conditions of the June event. This chapter paralels the discussion in
Chapter 2, in that it seeks to provide an understanding of the sequence of events,
their background and their interrelationships. It is based on trade press reports,
information from interviews and information provided in the formal data request.

. Chapter 4 combines operational and market factors to address some of the issues
listed above, including the likelihood of a recurrence of price spikes and lessons
learned by the market. It focuses on combining the information presented in
previous chapters to highlight the facts relevant to these questions.

. Finally, Chapter 5 sets out the findings which, in the judgment of the study team,
are important for the Commission to consider in its policy deliberations.
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2. Operating Conditions

This chapter examines operating conditions related to the Midwest price spike,
emphasizing events that occurred in the ECAR and MAIN regions (see regionsin Figure 2-1)
during the week of June 22, 1998. Although the focus on events during the week in ECAR and
MAIN is appropriate, it is aso important to realize that these events did not occur in isolation.
Conditions leading up to this week and conditions in other areas were also important to the mix of
factors that led to the spike in prices. The discussion therefore begins with a description of the
operating background in the spring, and then describes operating conditions during the week.

The chapter is organized into the following sections:

. Operating Background in Spring 1998
. Weather, Load and Capacity Conditions
. Avallable Generating Capacity in the Midwest

. Available Generating Capacity in Other Regions.

A. Operating Background: Spring 1998

Over the past several years, the Midwest has experienced load growth without a
corresponding increase in either generating capacity in the region or transmission capacity to bring
power from other regions. Lack of capacity has been a common theme of press reports and was
also commonly cited in interviews during the study. In combination with the transmission
constraints brought on by these situations, the inability of companies in these regions to serve
peak native load through generation and firm power purchase commitments became a legitimate
and serious threat by the Spring of 1998. The severity of the situation was exemplified in the
1998 Fpoecial Assessment of Michigan/Ontario which stated, “ should warmer-than-normal
temperatures occur across the upper Midwest, available capacity resources in the area could fall
short of the resultant higher-than-projected demand.” *

Growth in the ECAR and MAIN regionsis placing a significant strain on existing
generation and transmission resources. From 1996 to 1998, the combined projected summer peak
for ECAR and MAIN grew from 127,788 MW to 135,321 MW. This 5.9-percent increaseis
higher than the growth rate of 4.6 percent in the remainder of the United States. This indicates
that peak load has grown 28 percent faster in these two regions than in the rest of the country.

! North American Electric Reliability Council (NERC) Reliability Assessment Subcommittee: 1998 Special
Assessment of Michigan/Ontario, May, 1998, p. B-3.
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Figure 2-1.
North American Electric Reliability Council Regions

NERC Regions

[] East Central Area Reliability (ECAR)

[[] Electric Reliability Council of Texas (ERCOT)

[ Florida Reliability Coordinating Council (FRCC)
[ Mid-Atlantic Area Council (MAAC)

[] Mid-America Interconnected Network (MAIN)

[] Mid-Continent Area Power Pool (MAPP)

[] Northeast Power Coordinating Council (NPCC)
[] Southeastern Electric Reliability Council (SERC)
[[] southwest Power Pool (SPP)

[] Western Systems Coordinating Council (WSCC)

FRCC




Asaresult of thisrapid growth, ECAR and MAIN will continue to face increasing difficultiesin
reliably meeting their projected loads.?

A related concern is the fact that ECAR and MAIN underestimated their peak loads in the
NERC 1996 and 1997 Summer Assessments. 1n 1996, ECAR's actual summer peak exceeded its
projected summer peak by 4,360 MW. In 1997, the difference was 1,887 MW. Likewise,
MAIN's actual loads exceeded its estimates by approximately 1,700 MW in 1996 and 868 MW in
1997.2 For 1998, both regions projected peak loads below their previous all-time summer peak
loads. The reasons for underestimates is not clear. However, the two-year trend was clear and
another instance of actual loads exceeding projections should not have been asurprise. The
surprise expressed by most respondents in interviews with the study team was not that peak |oads
exceeded projections, but that high loads occurred in late June, rather than in July or August.

Despite the growth in peak summer demand within the ECAR and MAIN regions since
1996, their available generation resources during summer months have actually declined, duein
part to generation outages. Nationally, the situation is only dlightly better as available resources
have grown by only 3.3 percent. Due to declining available resources in comparison to the rapidly
growing demand, available capacity marginsin ECAR and MAIN have dropped from 17 percent
in 1996 to 11.9 percent in 1998. This decline places much greater reliance on resources from
outside the region to meet regional loads.*

As aresult of the combination of the increase in load and the generation outages,
transmission constraints are an increasing concern throughout the Midwest. MAIN, in particular,
has become extremely dependent upon imports from its surrounding regions.®> ECAR isin amuch
better situation from an import point of view, but has been restricted to transactions primarily to
the East and South due to the problemsin MAIN and additional generation shortages in Ontario
Hydro and NEPOOL. Even in these areas, ECAR would be competing with MAIN for
generation resources and run arisk of interruptions from line-loading-relief requirements.

Based on the supply deficienciesin the Midwest and the increased likelihood of
transmission constraints, NERC predicted extensive use of line loading relief procedures this
summer. NERC included a comment from MAIN that stated “ installed total transfer capability
on a Regional basis is inadequate to support all base firm transactions under peak load
conditions.”® Therefore, regardless of specific issues related to the new TLR policies, the fact

2 North American Electric Reliability Council (NERC): 1996 Summer Assessment: Reliability of Bulk
Electricity Supply in North America, May 1996, p. 9 and 1998 Summer Assessment: Reliability of Bulk
Electricity Supply in North America, May 1998, p. 9.

3 NERC: 1996 Summer Assessment, p. 9; 1997 Summer Assessment: Reliability of Bulk Electricity Supply
in North America, May 1997, pp. 12, 20; and 1998 Summer Assessment, pp. 22, 25.

4 NERC: 1996 Summer Assessment, p. 9 and 1998 Summer Assessment, p. 9.

> NERC: 1996 Summer Assessment, p. 11 and 1998 Summer Assessment, p. 18.

6 NERC, 1998 Summer Assessment, p. 2.
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that some form of line-loading relief would be a major feature of the 1998 summer was
documented before the summer even began.

1. Planning

Based on the information discussed above, previous experiences, and market conditions,
utilities and power marketers undertook a variety of planning measures in preparation for the
summer of 1998. These plans included operational aspects in addition to planning for market
fluctuations. For example, one company reported diversifying its supplies to spread its potential
risk. For companiesin areas of the system that could be interrupted by TLR, diversifying supplies
reduces exposure to the operational risk of not having purchase options in other areas if power
from one areais interrupted.

Although some companies were able to react promptly to signals last summer and
warnings this summer, others were less fortunate. Companies that did not plan aggressively
incurred susceptibility to adverse operationa conditions as well as market fluctuations. One
company that relied heavily on having alarge plant back on line by the summer appears to have
missed its window of opportunity to arrange firm contracts from outside the region. Asaresult,
the company was forced to rely on non-firm contracts and hourly transactions for the entire
summer.

B. Weather, Loads and Capacity
1. Weather Conditions

Westher conditions are the principa external factor driving short-term electricity load.
Unanticipated heat, especidly if it lasts for several days and extends over a wide geographic area,
can cause emergency conditions in the electricity system. If severe storms accompany hot
weather, potential damage to power lines or generating stations can increase the likelihood of
emergency conditions. Emergency conditions brought on by weather remain unlikely, but are
aways a possbility. Inthat sense, the events of the week of June 22 were no exception. Hot
weather drove up loads over awide area and storms posed a threat to power lines and generating
stations.

The severity of the heat wave at the end of June appears to have been generally
unanticipated. In interviews, utilities reported that temperatures for the week were higher than
had been expected at the beginning. Newspaper reports confirmed that actual temperatures were
higher than the forecasted temperatures. At the end of the previous week, temperatures for the
beginning of the week of June 22 to 26 were expected to be mild, with a gradual increase
throughout the week. These expected temperatures were only dightly higher than normal for
June. The temperatures rose much more dramatically and lasted longer than predicted (see Figure
2-2). On Thursday, June 25, 1998, the average temperatures in Chicago, Detroit, and Milwaukee
were 12 to 16 degrees above normal. Some predicted temperatures were nearly 10 degrees below
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those that actually occurred. This disparity resulted in numerous utilities having unexpected
difficulties covering their loads and forced them into the day ahead and hourly markets to meet
their shortfalls.

To aggravate the situation, temperatures were high over awide geographic area. Asthe
heat increased throughout the week, the high temperatures extended to new areas but remained
highin old areas aswell. High temperatures for eight cities, covering an area from Milwaukee to
Atlanta are shown in Figure 2-3. The figure shows how the heat spread over alarge area by
Thursday, when temperatures peaked at al eight locations and the range of temperatures across
the area narrowed dramatically. Hot weather in al these areas smultaneoudly limited the
likelihood that capacity would be available to serve loads in other areas.

2. Load Conditions

Projected loads for the week in ECAR and MAIN are shown in Figure 2-4. Although
loads were high during the third week in May (See Figure 2-4) when day-ahead prices rose to
$325 per MWHh’ in the region, the loads for the last week in June were considerably higher than
May loads and approached the all time peak for the two regions. Table 2-1 below compares the
peak load in the last week in June (on Thursday, June 25) with the all time peaks for ECAR and
MAIN and with the peak loads for the last two years.

Table 2-1. Peak Loads in ECAR and MAIN

All-time June 1998 1997 1996
Summer Peak Peak Peak Peak
ECAR 91,254 89,642 89,847 89,424
MAIN 45,401 44,544 45,401 44,500
Total 136,655 134,186 135,248 133,924
Sources: NERC: 1998 Summer Assessment, pp. 22, 25; 1997 Summer Assessment, pp. 20, 21;

NERC Hourly Demand Generation, and Interchange Data by Region.

Power Markets Week, Pricesfor Spot Electricity Table, May 25, 1998 .
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Figure 2-2. Comparison of Historical Normal Temperature and Actual Temperatures

85

B Normal Temperatures
O Actual Temperatures

1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20 21 22 23 24 25 26 27 28 29 30
Day in June

Source: National Climatic Data Center

Figure 2-3. Comparison of Temperature Range for 8 Cities in the Eastern
Interconnection
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Historically, the summer peak occursin July or August, and capacity planning follows
these historical trends. An attempt is made to complete maintenance schedules before July, but
some units are still scheduled for maintenance in late June. Therefore, the scheduling of
generation becomes increasingly important for periods, such as late June, when high temperatures
can occur, but are historically less likely. High temperatures drove up loads to a point where
regional demand significantly exceeded regional generating capacity for the peak load during the
week. The actual net interchange for June 25—the difference between regiona
demand and regiona generation for the peak weekday—is shown in Figure 2-5. Asthisfigure
shows, 10,000 MW of actual demand was met by transfers from other regions.

The online operating capacity in both ECAR and MAIN was virtualy all used at peak, as
shown in Figure 2-6. Thisfigure shows total generation as a percent of capacity, as reported by
each control areato NERC for each hour on June 25, 1998. In ECAR, a maximum utilization of
95.8 percent occurred at 3:00 PM; in MAIN a maximum utilization of 94.4 percent occurred at
4:00 PM. These levels show that very little unutilized capacity was available at these hours, but
they tell only asmall part of the story. In MAIN, the daily surveys provided to the control areas
show that loads as high as 46,870 MW (1,400 MW over the al time peak) were expected for June
25. These reports occurred during the day on June 25, and show that expectations of extremely
high loads were based on the system conditions in the morning. Generation alerts (shown in
Table 2-2) were common throughout the region on June 25, as expectations of excessive loads
occurred throughout the region.

The fact that record loads were not reached in all cases may be partly aresult of concerns
over demands exceeding capacities, and the related curtailment of interruptible load and
conservation actions taken in response. Curtailment of interruptible load and public appeals for
conservation were necessary because |oads were expected to exceed available power supplies that
could be brought on line. The actions that were taken to balance supply and demand and to
maintain the reliability of the transmission system appear to have succeeded in maintaining system
reliability without the need for the drastic action of rolling blackouts. However, some
interruptible loads could not be served and considerable efforts were needed to rearrange
transmission schedules at the last minute. Aswe will discuss in the next chapter, these actions led
to significant costs. It is therefore important to examine what those conditions were and how
they might have been different.

C. Available Generating Capacity in the Midwest

As described in the last section, utilities called generation alerts when their loads rose to a
level that was expected to exceed the available generation capacity to serve those loads. This fact
givesrise to a question: why was more capacity not available online? There are two potential
answers to this question. First, capacity that was not limited by the transmission system could not
be brought online in time to serveload. Second, capacity could have been limited by the
constraints of the transmission system. The first issue is addressed in this section, the second in
the following section.
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Table 2-2. Generation Deficiency Alerts (GDA) on June 25°

GDA Called By |Max. GDA level |Time Comments

AEP 1 8:05-not specified

MAIN 3 08:27-21:00 ComeEd and Illinois Power in
extreme shortage of power

Entergy 2 12:00-22:00 Curtailed interruptible loads

OTP, SMPPA not specified 10:00-not specified

PIM not specified 10:00-16:06 Curtailed off system sales

Missouri PS not specified 12:00-not specified |Interrupted transactions

DLCO 2 12:13-18:45

FirstEnergy 3 12:34-not specified |FirstEnergy was close to
interrupting firm load but did not
actually do so

SMEPA 1 16:00-21:00 SMEPA foresaw being in short
supply by 50-70 MW

The amount of generating capacity on scheduled maintenance was cited as an issue during
the week of May 18, when prices in excess of $300 were reported in the Midwest. While the
overal level of outages was high in May, the outage situation greatly improved by late June (see
Figure 2-7). The percentage of unavailable capacity fell from around 22 to 23 percent in May to
12 to 13 percent in late June. Such reductions are to be expected, since plant maintenanceis
normally scheduled for the spring and phased out as the peak summer season approaches.

A key guestion concerning these outages is how much of the unavailable capacity was out
for scheduled maintenance. If significant capacity was out for scheduled maintenance at atime so
close to the summer peak season, rearranging maintenance schedules and better coordination
might have helped to make more capacity available. To address this question, we examined

8 GDA Levels are defined as follows:

GDA Levd 1

GDA Levd 2:

GDA Leve 3:

Generation reserves are such that a single contingency could result in violation

of NERC/regional policy for normal operations by a control area.

excluding, interrupting firm load.
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Figure 2-4. Day Ahead Projected Loads in MAIN and ECAR
Selected Weeks in May and June
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Figure 2-5. Net Imports into the ECAR and MAIN Regions
June 25, 1998
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Figure 2-6. Capacity Utilization in ECAR and MAIN
June 25, 1998
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Figure 2-7. Unavailable Capacity in MAIN and ECAR
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planning reports used by control areas in ECAR and MAIN. These reports show the unavailable
generating units for each control area. They also provide information on why units were
unavailable. Unfortunately, this reporting is not easily comparable across the two regions. ECAR
combines reports for units less than 200 MW into a single category, while MAIN reports all units
separately. ECAR reports outages as “forced” or “scheduled,” while MAIN includes two
additional categoriesfor “partial” and “reserve shutdown.” The experience of each region was
therefore studied separately. Forced and scheduled outages are shown for both regions in Figure
2-8.

In MAIN, total generation outages fell from around 14,800 MW in May to around 5,200
MW in late June. Most of the remaining outages (4,800 MW) were reported as scheduled
outages, of these, 3,600 MW were large nuclear plants. Thus the capacity problem in MAIN at
the beginning of the June event was primarily a problem of long-term outages at nuclear facilities.
These outages are discussed further below.

The situation in ECAR was somewhat different. Total outages were reduced from 15,900
MW to 9,400 MW by June 22. In May, there were a large number of scheduled outages, but few
forced outages.’ In June, there were more forced outages than scheduled outages. It is apparent
from the data on scheduled return dates and forced outages that ECAR experienced some forced
outages in June at plants that were scheduled to restart after being scheduled out in May, but
experienced problems during startup or shortly thereafter. There were also an additional number
of forced outages at other plants during June. Forced outages were an ongoing difficulty
throughout June in the ECAR region.

Forced outage problems continued in ECAR during the June event, as shown in Figure 2-
9. The changesin ECAR capacity shown in thisfigure al arose from forced outages during the
week. Forced outages peaked on Wednesday, June 24 and declined on Thursday and Friday.
Even though capacity was returned to service, around 2,000 MW went out of servicein ECAR
and PIM just as temperatures started to peak, providing an unsettling sign to a market aready
concerned about capacity limitations.

Nuclear outages also contributed to capacity problems during the week. Figure 2-10
shows the fluctuating pattern of nuclear plant outages during the week in ECAR, MAIN and
PIM. Although not all the capacity went out at the same time, over 4,000 MW of nuclear
capacity was forced out of service at some point during the week of June 22. NRC reports of

o ECAR reported nuclear outages as forced outages, while MAIN reported the same outages as scheduled
outages. Since the reasons for these outages appeared to be similar, ECAR nuclear plant outages were
treated as scheduled for purposes of these statistics. It is possible that the ECAR classification is based on
unanticipated problems when the plant was expected to return to service, but we treated both ECAR and
MAIN nuclear outages as scheduled for comparison purposes here.
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MW Capacity Out of Service

Figure 2-8. Comparison of Forced and Scheduled Outages in ECAR and MAIN
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Figure 2-9. Generation Capacity Outages in ECAR
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these outages list them as hot shutdowns, severa storm related, and the team did not hear any
suggestions that they were other than forced, but the outages do appear to have contributed to the
scarcity of capacity during the week.

The data on plant availability show that the principa reasons why more capacity was not
available in the Midwest (ECAR and MAIN) at the time of the price spike were a high level of
outages at nuclear plants, including forced outages caused by weather, and a high level of forced
outage rates early in the week at fossil generating plantsin ECAR. While scheduled outages at
non-nuclear plantsin MAIN may have played arole, it appears to have been avery minor one.

D. Available Generating Capacity in Other Regions

The supply and demand conditions in the Midwest led Midwestern utilities to seek
additional power from other areas at atime when these areas were also experiencing high load
conditions. This problem was particularly severe on June 25. As noted above, hot weather across
the East peaked on Thursday and areas throughout the Eastern Interconnection experienced
extremely high loads. The high loads and limited additional capacity are confirmed by the reports
from control areas provided by NERC for this study.

1. Generation Alerts and Regional Interchange

The limitations on acquiring generation from other regions to alleviate supply shortagesin
the Midwest had some significant impacts. For example, on Thursday and Friday, PIM
experienced generation alerts that had a significant impact on the availability of capacity to the
Midwest. PIM curtailed 5,300 MWh that had been scheduled to be transmitted out of PIM.
These curtailments had two principal effects. First, it put additional stress on Midwest systems
and worsened an already precarious balance. Second, it caused a significant shift in the pattern of
interchange during the day.

The graph in Figure 2-11 shows the level and pattern of scheduled, hourly transfers into
ECAR from other regions. The line in this graph shows the total interchange between ECAR and
other regions. The bars show the interchange with PIM, SERC and other regions. Severa
important points are illustrated in this figure:

. As ECAR loads rose early on the morning of the 25th, power flow shifted
dramatically from flows out of ECAR to flowsinto ECAR.

2-13



6,000

5,000

4,000

MW Out of Service

2,000 -

1,000

Source: Nuclear Regulatory Commission

Figure 2-10. Nuclear Capacity Out of Service in ECAR, MAIN and PJM
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. Flows out of PIM into ECAR rose in response to ECAR loads until 9:00 or 10:00
AM, but then fell off as PIM experienced emergency conditions and cut back on
transfers.

. Flows out of PIM into ECAR that declined as aresult of the PIM declaring a
generation emergency were replaced by flows from SERC into ECAR during the
late morning, keeping total interchange relatively constant at late morning levels
until 4:00 PM.

Interchange into the MAIN region showed an important pattern as well, although not as
dramatic as ECAR (see Figure 2-12). Interchange into MAIN from ECAR was limited by
generation alertsin ECAR, as shown by the reduction in interchange between ECAR and MAIN
during the afternoon. Interchange with ECAR dropped from a high of 2,400 MW at 11:00 AM to
alow of 1,200 MW at 5:00 PM. A substantial portion of this reduction is accounted for by
curtailments of alarge scheduled transfer from AEP to Commonwealth Edison, caused by
generation conditionsin AEP.

The interchange data confirm that generation alerts across the region contributed
significantly to the difficulty of meeting loads. Problemsin one area of the transmission system
quickly became problemsin other areas, as tight supply/demand conditions limited utilities ability
to shift generation to meet loads. These shifts began to cause overloads on the transmission
system, leading to the need for line loading relief.

2. Line Loading Relief and TLR

The predominant line loading relief (LLR) procedure used in managing the transmission
system of the Eastern Interconnection since the summer of 1997 has been NERC's Transmission
Loading Relief (TLR) procedure.® The evolution of this procedure can be traced to efforts by
various utilities seeking solutions to inadvertent or loop flows in the transmission system—most
notably the GAPP Agreement participants*—and the Commission’s functional unbundling of
transmission and generation in Order Nos. 888 and 889. Prior to these Orders, transmission

10 These procedures are detailed in NERC's Operating Policy No. 9 and is the subject of Docket No. EL98-52
pending before the Commission. These line loading relief procedures are still in transition. Strict
adherence to NERC's TLR procedures is not universal as some of the regional reliability councils have
had their own specific procedures which they have not completely abandoned. Save for the use of
locational marginal pricing of transmission within the PIM region, it appears that the other regional
practices are largely variations of the NERC procedures.

n General Agreement on Parallel Paths (GAPP) Participation Agreement. The Commission approved a

two-year experiment for this agreement beginning April 2, 1997 (Docket No. ER97-697). The GAPP
Agreement is not aline loading relief procedure per se but rather involves efforts to get transmission users
to choose contract paths more closely aligned with actual power flows. The primary export from GAPP to
the NERC TLR procedures is the GAPP Information System (GIS) which allows system operators to
determine the actual physical path electricity takes through their system.
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system overloads were typically handled by the affected control areas first curtailing their
wheeling services for third parties and, if that was inadequate, re-dispatching their generation to
mitigate the problems.

Generally, past practices can be distinguished from NERC's TLR procedures by two
significant differences. First, overloads were handled primarily by local procedures whereas the
TLR procedures are regional. The affected control area attempted to mitigate the overloading
problem largely by its own actions before asking neighboring utilities for assistance. NERC's
TLR procedures rely on multi-control area regional security coordinators curtailing transmission
flows over amuch wider area (based on model-generated measures of their impacts on the
constrained facilities). Second, the TLR approach is a flow-based approach that curtails
transactions based on actual power flows over the transmission system and their estimated
impacts on the overloaded facilities. Past practices instituted curtailments based on contract path
flows. According to NERC, the past practices (when local utilities attempted to handle
overloads) have proven inadequate to deal with the nature and increased volume of transactions
on the transmission grid in recent years.

The need for TLR during the week rose as the loads rose throughout the Eastern
Interconnection. Table 2-3 shows the line relief actions that were called during the week; the
locations of the facilities where line relief was needed are shown in Figure 2-13. We focus on line
relief at the eastern locations in Figure 2-13.

The Queenston Flow West (QFW) interface was important on the 25th, because line relief
was required early in the day, just as loads and interchange rose rapidly. Thelinerelief for this
facility, called by Ontario Hydro, forced transmission to be rescheduled on an hourly basis and
limited the avail able paths that could be scheduled. These TLR actions had important impacts on
the power available to the Midwest:

. The TLRs at Queenston, Ontario Hydro/MECS and Kammer restricted scheduling
of power from PIM and SERC into ECAR and MAIN. PJM and SERC were the
two main areas from which utilities sought power to move into ECAR. The
effects of one action led to another. For example, overloads on QFW limited
flows west out of New York and PIM. As flows shifted to the south from PJM,
the flows increased on Kammer to the south (see locationsin Figure 2-13). TLR
at Kammer limited flows from points further south into ECAR.

. Nuclear outages in Canada had reduced the ability of the Queenston (QFW)
interface to support transfers of power from SERC and PIM into ECAR. The
NERC Summer Assessment identified the Ontario Hydro/MECS interface as
important, but the flow patterns that led to the need for TLR on the QFW interface
were unusual and had not been closely studied. The relationship between nuclear
outages and limitations on the QFW interface was confirmed by the study teamin a
power flow study of peak summer conditions using the Power World load flow
computer program and the summer base case data used in the NERC Summer
Assessments.
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The impact of TLR actions on utilities need to replace power was to further limit the
sources of power to an already tight market. The team issued a data request to utilities to obtain
their estimates of the cost of power needed to replace power that was lost when TLRs were
called. A summary of responses to this data request is presented in the Chapter 3.
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Table 2-3. TLR Actions Taken During the Week of June 22

Control Area Flowgate Highest Relief requested Time
6/22/98 TLR level
1 MAIN Eau Claire-Arpin 345 KV line 3 50 MW 06:50-16:00
2 OH OH-MECS 3 336 MW 09:06-22:152
3 AP Kammer 765/500 KV Transformer 2 0 17:15-20:45
6/23/98
1 OH QFW # 543 3 not specified 06:28-22:25
2 MAIN Eau Claire-Arpin 345 KV line 3 50 MW 06:30-15:20
3 VP Skimmer - Balcony Falls 2 0 11:49-21:45
6/24/98
1 OH QFW # 543 3 not specified 05:10-21:33
2 MAIN Eau Claire-Arpin 345 KV line 3 75 MW 07:10-22:00
3 VP Pleasant View - Dickerson 2 0 11:20-15:51
4 AP Kammer 765/500 KV Transformer 3 100 MW 12:30-22:30
5 VP Skimmer - Balcony Falls 2 0 13:15-20:15
6/25/98
1 MAIN Eau Claire-Arpin 345 KV line 3 50 MW 00:00-06:00
2 OH QFW #543 2 0 05:28-11:12
3 AP Kammer 765/500 KV Transformer 3 100 MW 930:20:30
4 MECS OH-MECS 2 0 09:34-22:45
5 MAIN Eau Claire-Arpin 345 KV line 3 30 MW 14:20-22:00
6/26/98
1 MAIN Eau Claire-Arpin 345 KV line 2 0 00:25-6:00
2 OH QFW # 543 2 0 06:33-13:46
3 AP Kammer 765/500 KV Transformer 2 0 08:35-10:40
4 MAIN Eau Claire-Arpin 345 KV line 2 0 09:20-11:30
5 MAIN Eau Claire-Arpin 345 KV line 2 0 13:15-20:10
6 OH OH-ADIR # 534 3 not specified 18:45-22:14
7 OH OH-MECS 3 not specified 19:56-22:14
8 MAIN Eau Claire-Arpin 345 KV line 5 200 MW 22:40-22:00

*MAPP cut firm transmission service.
22096 MW cut.
The TLR Level are:
level 1 : Notify security coordinators of potential problems
level 2: Halt additional “contributing” transactions
level 3: Curtail non-firm transactions (state priorities being curtailed)
level 4: Reconfigure and redispatch to continue firm transactions if needed
level 5: Curtail firm transmission service
level 6: Implement emergency procedures
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Figure 2-12. MAIN Interchange: Net Flows into the MAIN Region
June 25, 1998
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3. Market Conditions

This chapter examines market conditions leading up to the Midwest price spike. It first
examines the development of wholesale power markets in the wake of Order 888. It discusses
the emerging market, explains the importance of studying price spikes and e ectricity markets and
traces the major price trends leading up to the summer of 1998. The chapter then turnsto a
description of the price spike during the week of June 22 and examines the reasons for the event.

A. Wholesale Power Markets Since Order 888

Electric power spot markets have grown considerably since the Commission issued Order
888 in April 1996, and they continue to evolve. The number of market participants and volumes
of power traded have increased substantially. Numerous pricing points have developed to
increase the flexibility of wholesale transactions. Risk management tools have emerged to help
market participants protect themselves against uncertain price movements. Wholesale electric
power markets, while still developing, are beginning to look like markets for other commodities.

1. Transition to Competitive Markets

The transition from tight regulation to a market orientation has created two conflicting
regimes in the electric power industry. In the unbundled environment of Order 888, investor-
owned utilities offer open access transmission service to wholesale customers. However, utilities
continue to provide cost-based bundled services on behalf of their native load customers. This
circumstance forces utilities to perform an awkward balancing act between the two regimes. It
also permits utilities to “forum shop” for the regime that better suits their needs and may provide
the opportunity for discrimination. The existence of these two regimes has created a degree of
uncertainty for market participants and may have been afactor in the June event.

2. Growth in Wholesale Markets

There are more market participants than ever before. In thefirst quarter of 1995, there
were eight marketers actively trading in wholesale power markets. By the second quarter of
1998, there were 108 actively trading power marketers (Figure 3-1). While alarge number of
marketers are active in wholesale markets, there are many that have received market-based rates
but have not conducted transactions. A total of 337 independent power marketers and 123
affiliated marketers have been granted market-based rates by the Commission. In addition, the
Commission has granted market-based rate authority to 73 investor-owned utilities.

The volume of transactions hasincreased dramatically. Power marketer quarterly
filings show significant increases in wholesale transactions since 1995. In the first quarter of
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1995, marketer sales totaled 1.8 million MWh. By the second quarter 1998, sales escalated to
513 million MWh (Figure 3-2).

Daisy chains are responsible for much of theincreasein volume. While marketer sales
have undeniably grown, a significant portion of the sales are part of extended “daisy chains.”
Daisy chainsinvolve the retrading of power by a number of different market participants,
primarily marketers, many of whom have no intention of physically delivering the power. These
deals represent multiple resales of the same generation that used to flow directly from vertically
integrated utilities to their ultimate customers or to other distribution utilities for resale to ultimate
customers. Market participants have reported that, in some cases, marketers take title to power
for the sole purpose of increasing their total volumes traded.

According to market participants, approximately 80 percent of power marketer
transactions are “financially firm” transactions that do not involve the physical transfer of power.
Sdlers of financidly firm products do not control actual physical generation but promise to pay
the necessary price to procure supply if the buyer needs the power. The entrance of new
marketers, many of whom deal only in financial transactions, has helped to increase liquidity—the
ability to get into and out of financial positions—in power markets. However, since many of
these transactions are not backed by the ability to physically deliver power, they add to the
volatility of prices under peak conditions, as seen in the June event.

3. Spot Market Pricing

When the trade press began publishing bulk power pricesin 1994, prices were available
for only seven locations. Since then, price reporting has grown with the market and become more
extensive, with published prices now available for approximately 24 locations.** Wholesale
electricity markets appear to be evolving in much the same way as natural gas markets, in which
numerous pricing points and market hubs developed over time. Trade publications report daily
pre-scheduled, on-peak (16 hour) prices. Hourly prices are not published on any systematic basis.

Although €electricity markets have advanced considerably, market participants still use old-
fashioned methods of price discovery. For example, most traders continue to rely on telephone
conversations or faxes with counterparties to discover prices. Many traders also contact brokers
for price information. Brokers are market makers who bring together buyers and sellers, and
receive afee for their services. Brokers do not take title to power and therefore are not regulated
by the Commission. While brokers help with price discovery, thereis not asingle, centralized
mechanism for price discovery in eectricity markets. Institutions such as power exchanges and
futures markets will help in making prices more transparent but they only indicate

A number of publications publish price information including: Dow Jones, Megawatt Daily and Power
Markets Week.
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Figure 3-1. Power Marketer Total Wholesale Sales
(Million MWh)
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Figure 3-2. Growth in the Number of
Actively Trading Power Marketers
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prices on adaily basis or for longer periods and will not provide price discovery in hourly
markets.

4. Managing Risk in Wholesale Power Markets

With the partial deregulation of wholesale power markets, risk management has become a
necessary part of trading. Before Order 888, utilities traded to balance loads, buying power
mostly from their neighbors with spare capacity. In that environment, cooperation rather than
competition prevailed and management of market risk was not necessary. Post-Order 888 power
markets involve many more market participants who compete with each other. In this setting, risk
management is an essential component of wholesale trading.

One form of risk management the electric industry has long used is the forward contract.
A forward contract is a contract for future delivery of a designated quantity of power at a
designated price, time, and location. Buying forward allows a firm to ensure supplies for some
future time at aknown price. Forward contracts may be aless risky alternative than buying
power on a short-term spot market, where prices may be higher. However, forward contracts
obligate both the buyer and seller to accept the agreed-upon price, regardless of the market price
when the delivery takes place.

Traders “hedge” deals to reduce exposure to the possibility of unexpected, adverse price
change. A hedgeisthe purchase of afinancial instrument to establish a position that is equal and
opposite to a position in the cash market. A hedge provides aform of insurance that the buyer or
seller of power can obtain or pay a certain price for power. A number of hedging instruments are
available to traders. Only asmall percentage of hedge transactions actually result in the delivery
of power, a pattern typical of other commodities and aso seen in natural gas.

Over-the-Counter Markets (OTCs) for Options. The physica daily option is the most
commonly used of all the hedging tools available to traders.**  An option is a contract granting
the right, but not the obligation, to buy or sell an asset for an agreed upon price over a specific
period of time. An option allows atrader to exercise a“cal” (the right to buy power) or a“put”
(the right to sell power), at agiven price caled a*“strike” price before it expires. For example, a
daily call option, if exercised, would enable a trader to buy a particular quantity of power at the
strike price for a specific day.

Market participants buy and sell options through brokersin OTC markets that are linked
together by telephones and computer screens. Options offer akind of price insurance to traders.
In exchange for selling an option, the seller collects a premium. If the price of power does not
reach the strike price, then the seller keeps the fee.

13 “Players Rate Hedging Tools in West,” Megawatt Daily, October 24, 1997, p. 5.
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Traders buy options to cover physical trades. If atrader made adeal to buy acertain
amount of power for a certain price, she would purchase a call to put an upper limit on her
acquisition cost. The call option’s strike price represents the amount up to which the buyer is
willing to endure price increases. At the time the power is actually purchased in the cash market,
the options position is liquidated. If the strike price is met, the trader pays the higher price
according to the contract with her counterparty, but the financial offset provided by the option
allows her to limit the expense of the purchase.

Futurestrading. Options used to be one of the few risk management tools available to
traders in the Eastern Interconnection. Recently, however, commodities exchanges began
offering futures for electricity. Four electricity futures contracts sponsored by NYMEX are now
underway—two in the Western Interconnection and two in the Eastern Interconnection. The two
western futures contracts, based on delivery at the California-Oregon Border and Palo Verde,
Arizona, respectively, have been trading since July 1997. NYMEX'’s Eastern Interconnection
futures contracts for delivery at Cinergy and Entergy began trading in July 1998.

Other futures contracts are also underway. The Chicago Board of Trade (CBOT) began
offering two contracts on September 12—one for delivery of power at ComEd, the other based
on delivery at TVA. The Minneapolis Grain Exchange launched its electricity futures
contract—for delivery at Northern States Power in Minneapolis—on September 15. In addition,
NYMEX and CBOT both have plans for contractsin PIM, and CBOT is working on a contract in
ERCOT.

Futures markets differ from OTC options in that they involve standard packages of power.
The standard electricity futures contract is 736 MWh to be delivered over a monthly period on the
NYMEX exchange, and 1,680 MWh to be delivered over a monthly period on the CBOT
exchange. Futures trades are conducted in a manner similar to options, except that futures allow
traders to create a hedge that will lock in a particular price. Futures bind buyers and sellersto the
contract price, while options bind the seller to the price only if the buyer chooses to exercise the
option.

An example of afutures hedge isasfollows: autility commits to purchase a package of
power from a supplier for June delivery at the market price prevailing at the time of delivery. At
the same time, the utility buys a futures contract at the current market price, and budgets that
amount asits acquisition cost. By the time the June contract expires (afew days prior to June 1),
market prices have risen, and the utility takes delivery of the contracted power at the prevailing
spot market price. At the sametime, the utility sellsits futures position for that prevailing market
price. Thelossin the power purchaseis offset by the gain in the futures position, thereby
guaranteeing the utility the expected price for the purchase.

Other hedging tools. Insurance companies have entered the power marketing business by
offering policies to help electricity traders reduce their risk. One company has introduced a line of
products to reduce risk in a variety of circumstances. The policies allow traders to protect against
the expensive cost of replacement power in the event of a unit outage, to manage counterparty
risks or to protect against extreme price fluctuations. The insurance contracts differ from call
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options in that they protect against downside potential but do not hold the upside potential that
could offer a payout simply based on how high prices go.**

Weather-related derivatives are another new tool for hedging risks. A small number of
trading companies offer weather-related contracts to help manage the risks associated with
unpredictable weather conditions. Thisisthe only type of contract yet offered to give energy
providers away to manage volumetric risk. Some of the contracts offered are options contracts
with a strike point set at a certain number of degree days. Other contracts are based on maximum
or minimum temperatures.

5. Why Focus on Price Spikes?

In this report, the primary focus is the June event, with a secondary focus on other price
spikesin May and July. This approach might be thought to be too restrictive, since high prices
appear to have been reported throughout the summer. A closer examination of the daily data
reported in the trade press, however, shows that these spikes were indeed very important to
wholesale power markets during the summer of 1998 and demonstrates why they were selected as
the focus of the study.

Figure 3-3 shows the distribution of prices at the “Into Cinergy” hub, the most actively
traded hub in the Eastern Interconnection. During the period from May through August, there
were 13 days when the daily price index exceeded $100 per MWh. Of these 13 days, all but one
fell within one of the three periods when prices “ spiked.” Of these periods, the June event was by
far the most important, both in terms of the prices that were reported in the trade press, and in the
estimation of market participants interviewed during the study. Neither the May event nor the
July event resulted in prices with levels as high, or as sustained, as those in June. Although prices
were high during the week of July 21, the overall weekly average was not affected nearly as much
by the spike as the weekly average during the June event. In June, prescheduled pricesinto
Cinergy rose to $2,461 per MWh, the weekly average for the week of June 22 was $744, and the
effects carried over to the following week when the reported prices were $1,704 on Monday.
These prices all appear to have followed from the market crisis on Thursday, when buyers made
forward purchases of suppliesin the hourly market and subsequently scheduled these suppliesin
the day ahead market. In July, the high daily prices fell relatively quickly from adaily price

14 “New Line of Cignalnsurance Products Designed to Help Market Manage Risk,” Power Markets Week,

August 10, 1998, pp. 4-5.

1 “Weather-Driven Risk Tools Taking Hold; A New Way to Manage ‘ Volumetric' Risk,” Power Markets
Week, January 19, 1998, pp. 1, 13-14.
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Figure 3-3. Distribution of Daily Index Prices "Into Cinergy"
(May through August, 1998)
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index of $1,350 on Tuesday when weather moderated, and prices for the week averaged $206 per
Mwh.

During both June and July, the unweighted index prices from Megawatt Daily differed
considerably from the weighted averages. In June, the unweighted average of daily index prices
into Cinergy was $257 per MWh, while the weighted average was $203 per MWh. In July, the
difference was more pronounced: the unweighted average was $147 per MWh, but the weighted
average was $82 per MWh. This trend may suggest that buyers had developed better alternatives
in July, and were able to avoid the highest prices by reducing their purchases. It is also consistent
with the information conveyed to the team during interviews, when respondents generally said
that the volumes traded during the July spike were less than those during the June event, and aso
said the effects of the price spike were less severe.

Although the unweighted averages should not be relied upon as an overall indicator if
weighted averages are available, they can be used to examine the impacts of days when prices
spiked compared with other days. As shown in Figure 3-3, there were 13 days with prices into
Cinergy over $100 per MWh, and 12 of these occurred during periods of the price spikes
considered in this report. For the period from May through August, the unweighted average of
daily prices was $128 per MWh. If the days during the periods of the price spikes are removed
from the calculation, the average price for the period from May through August drops to $40 per
MWh. This dramatic drop shows how important these periods were to the overall summer price
picture. The fact that the price spikes appear to dominate the summer price levels should not be
taken as an indication that the remaining periods need not be considered, but it does show why
the price spikes have been selected as the primary focus of this report.

6. The Price Spike of July 1997

During the summer of 1997, wholesale power markets experienced a price spike similar to
the June 1998 spike, athough maximum price levels were much lower and operating conditions
were less severe. In July 1997, scorching temperatures swept through the Midwest and East,
driving up prices to then-unprecedented levels. Day-ahead pricesinto Cinergy reached an all-time
high of $325 per MWh, with index pricesin MAIN over $180 per MWh and pricesin MAPP of
$90 per MWh.** PJM index prices rose to $110 per MWh.

PIM set an all-time peak demand record in response to the heat. PIM implemented
emergency generation procedures and cut power scheduled for delivery outside the pool. Traders
were unable to move power into or out of PIM and thus were unable to capitalize on the even
higher pricesin the Midwest. PIM’ s reliability actions succeeded in maintaining system integrity,
but by restricting supplies available outside the pool, may have driven up prices in adjacent areas.

16 Spot electricity prices from Power Markets Week, July 21, 1997.
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7. Market Events Leading up to the Summer of 1998

Early in 1998, the market showed signs of awareness that the summer could bring high
prices. Early inthe year, at least some traders planned for high summer demand and prices.

The First Quarter of 1998. Because of the warm winter temperatures brought on by El
Nifio, cold weather never emerged during the first quarter of 1998. Mild temperatures
predominated across the Eastern Interconnection. The only significant weather event of this
quarter was a brief cold spell in March, which pushed up pricesin the East, Midwest and South.
For the most part, first quarter prices were moderate (Figure 3-4).

During the first quarter, prices for the summer were expected to be high because of the El
Nifio-driven weather. In addition to hot weather, traders were concerned about a number of
transmission constraints in the Midwest with the potential to drive up summer prices. Many
traders expected high summer prices and positioned themselves in forward markets based on this
expectation. Forward trading for the summer months became quite volatile early in the year, with
traders trying to immunize themselves against a repeat of prices above $325 per MWh seen during
the summer of 1997. In early February, the forward prices into Cinergy for July/August rose to
over $50.00 per MWh."

The Second Quarter of 1998. Until May, second quarter prices showed little movement.
Mild weather continued but prices edged up in the Midwest because of outages at nuclear plants.
Early in the spring, preliminary word on NERC’'s Summer Assessment indicated that the summer
of 1998 should be “the most challenging to reliability in recent years.”*®* Forward prices for the
summer continued to increase, with record forward prices being paid for the summer months. In
early April, the July/August forward price into Cinergy was $68.50 per MWh.”* Many traders
were nervous about the generation situation in the Midwest and decided that purchasing forward
contracts was the best way to prepare for possible price increases.

The May 1998 “Mini-Spike.” Prior to June's price spike, a smaller spike occurred in
May. At thetime, it brought the highest prices to date, with hourly power selling for as much as
$500 per MWh. The May price spike was brought on by unseasonably hot weather which took
hold in the Midwest in the middle of the month and increased demand. The high temperatures
occurred when many generating units in the Midwest were shut down for routine spring
maintenance. Numerous transmission problems arose in the wake of the heavy loads. Because

o Monthly forward markets table from Power Markets Week, February 16, 1998.

18 “Too Darn Hot: Summer Could Send Grid to the Edge on Reliability, NERC Warns,” Power Markets
Week, May 11, 1998, pp. 1, 15.

19 Monthly Forward Markets table from Power Markets Week, April 13, 1998.
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Figure 3-4.
Prices for Next Day On-Peak Spot Electricity Markets
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the Midwest was short on generation, delivery of replacement power to the Midwest loaded a
number of transmission system interfaces to their maximum capabilities during the peak demand
daysin May.

The highest prices reported in the price run-up were into Cinergy, where hourly prices
were reported to have reached $500 per MWh and pre-scheduled daily prices reached $300 per
MWh. High prices were reported in MAIN as well, with average next-day prices on May 19 of
over $240 per MWh. SERC next-day prices were just under $200 per MWh and pricesin SPP,
SERC and into TVA were well over the $100 mark. Utilities were said to have been the major
purchasers of the high-priced power during the May mini-spike.

B. The June 1998 Price Spike

During the week of June 22, 1998, wholesale electricity prices reached unprecedented
levels. While prices as high as $10,000 per MWh were rumored, the highest price the team
confirmed was an hourly price of $7,500 per MWh for a50 MW transaction, paid by one
Midwest utility for one hour. However, some utilities paid high prices for substantial quantities of
electricity in both the hourly and day-ahead markets, with significant levels of hourly purchases at
$3,000 to $6,000 per MWh.

Power prices edged up throughout the week as high temperatures continued to drive up
loads. On Monday, June 22, next-day and hourly prices were already high (at least compared
with prices up to that point), with next-day prices ranging from $80 to $200 per MWh. The
default of Federal Energy Sales on Tuesday, June 23, was said to have driven up prices as market
participants became concerned about whether they could meet their supply obligations. In the
wake of the default of Federal Energy Sales, severa other traders defaulted on contracts. On
Wednesday, June 24, temperatures and loads increased and prices continued to escalate to over
$1,000 per MWHh.

To make matters worse, some midwestern temperatures rose higher than projected
Wednesday night. On Thursday morning, June 25, hourly prices opened at around $1,000 per
MWh. Prices escalated rapidly from $1,000 to $5,000 per MWh. By Thursday afternoon, hourly
prices peaked at $7,500 per MWh. On Friday morning, June 26, prices began to fall, ranging
from $1,500 to $3,500 per MWh. Prices decreased relatively quickly thereafter as temperatures
decreased and loads subsided.

Set forth below are the significant events that occurred each day during the week of June
22 and a brief discussion of the individual factors that contributed to the price volatility during the
week. The narrative is drawn from the trade press and the team’ s discussions with market
participants.

Monday, June 22, 1998. The week began with high prices in both next-day and hourly
markets, with hourly prices running higher than daily. For June 22, the highest day-ahead price
reported was $200 per MWh into Cinergy. In contrast, blocks of power for 16 hours each day for
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the 5 business days of the week (16x5 sales) into the northern part of ECAR were priced much
lower, at $65 per MWh.?® Day-ahead prices in the Southeast were up to $140 per MWh at
Southern, $130 per MWh into TVA and $167 per MWh at the Florida-Georgia border.? Prices
rose more in anticipation of high temperatures and high demand in the southeastern United States
than on predictions of hot weather in the East and Midwest.

Hourly prices in the Midwest on June 22 were reported as high as $400 per MWh in
northern ECAR. Thisrise was attributed primarily to transmission “loop-flow” problems from
Ontario Hydro into MECS. Hourly market prices into Cinergy were reported as high as $300 per
MWh on the afternoon of June 22. These high hourly prices reportedly gave an incentive for
marketers to sell power generated in PIM to markets in ECAR. Indeed, PIM reported that it was
reducing its previous estimates of daily maximum native load by an average of 3,000 MW for the
remainder of the week, implying that a comparable amount of generating capacity would be
available for sales outside of PIM. Abnormally high temperatures in the Southeast also caused
hourly market price increases of up to $275 per MWh at Southern, well over the reported high
day-ahead figure for June 22 for sales at Southern.?

Tuesday, June 23, 1998. The reported high day-ahead prices for June 23 in Midwest
markets ranged from $50.50 into north MAIN, to $90 in MAPP, $142 in Ameren, $190 into
Cinergy and $275 into north ECAR. Trade press reports indicated that some market participants
had been concerned whether high exports of energy from PIM would allow utilities within PIM to
meet their native loads, but that PIM apparently allayed these fears somewhat by its June 22
announcement that it would lower its estimated peak demand for the remainder of the week.
Some traders also expressed concern about prices in MAPP during the latter part of the week:
temperatures of over 100 degrees were predicted, while interruptions in transmission paths were
already occurring and line-loading relief continued for the Eau Claire-Arpin transmission line.
However, day-ahead prices for June 23 generally were highest in the Southeast, with the highest
reported sales prices of $200 at Southern, $205 at the Florida-Georgia border and $225 into TVA
because of heat-related demand. One marketer was reported to infer that such high pricesinto
TVA meant that, at the end of the month, purchasers were genuinely short of power, rather than
seeking to resell it

On June 23, reports of Federal Energy Sales s default on its obligations, combined with
concerns about the unseasonably high temperatures, had “thunderous repercussions’ on hourly
electricity markets. Hourly prices thereafter substantially increased in a number of ECAR
markets, especialy into Cinergy.?

0 “Megawatt Daily Price Survey,” Megawatt Daily, June 22, 1998, p. 1.

2 “ Strong demand pushes Southeast prices higher,” Megawatt Daily, June 22, 1998 , pp. 1, 5.

2 “Hourly markets explode, dailies not far behind,” Megawatt Daily, June 23, 1998, pp. 1, 3.

z “Megawatt Daily Price Survey,” Megawatt Daily, June 23, 1998, pp. 1, 3.

2 “Marketer said to renege; Midwest prices skyrocket,” Megawatt Daily, June 24, 1998, p. 1.
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Wednesday, June 24, 1998. Day-ahead prices for June 24 substantially increased in many
Midwest markets over comparable June 23 prices. In light of Federa Energy Sales's reported
defaults, concerns that other traders might not meet their contract commitments were said to
drive up prices. Megawatt Daily remarked about Federal Energy Sales s reported default that
“Most marketers have predicted this type of scenario since last July, in the wake of $325 next-day
power.”? In reaction to the price increases, some large marketers attempted to reduce their